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Abstract 

CO2 capture and geological storage (CCS) is a method of reducing CO2 emissions into 

the atmosphere. It is operated by CO2 capture from large-scale CO2 emission sources 

such as power plants. The CO2 gas is further sequestered into underground reservoirs 

with relatively high permeability and porosity, such as deep saline aquifers. From the 

previous and on-going CCS projects, it has been implemented that CCS is technically 

feasible. For further CCS projects implemented to mitigate global warming and climate 

change, it is indispensable to establish the safe operation of CO2 storage and monitoring 

system of the reservoir and surrounding environment, because it is expected to increase 

the CO2 injection rate and cumulative injection amount to promote commercial CCS 

projects. 

In this study, the pressure build-up and fall-off in the CO2 injection well and the pressure 

response in the observation well drilled at a distance of 1 to 5 km were investigated by 

numerical simulations. In particular, the present research objective is to provide design 

data for the distance of the observation well and the required measurement sensitivity 

of the pressure transmitter installed in the observation well by clarifying the relationship 

between the aquifer conditions and the pressure response in the observation well. 

Furthermore, a prediction method using an approximate analytical solution was also 

presented to predict them. 

This dissertation consists of the following 6 chapters. 

Chapter 1 introduces the recent CCS projects in the world and the technological 

development challenges for monitoring systems related to safe CO2 geological storage. 

The focus was directed towards three world-famous CCS commercial projects 

including the Tomakomai CCS demonstration project (hereinafter Tomakomai CCS 

project). The aquifer characteristics and differences between them are highlighted. CO2 

geological storage in a deep aquifer is characterized by pressure build-up (PBU), 

pressure fall-off (PFO), convection flow of CO2 plume, and pressure propagation in the 

aquifer. One of the monitoring items carried in the current CCS projects is the pressure 
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response at an observation well drilled a few kilometers away from the injection well. 

In the case of Tomakomai CCS, the observation well is located approximately 3 km 

from the injection well. 

Chapter 2 describes the aquifer and injection well modeling for CO2 storage; all defined 

in the three-dimensional cylindrical coordinate system. The model was referred to as 

the Moebetsu Formation mainly targeted by the Tomakomai CCS project. The base 

model of the aquifer with 1000 m in depth and 40 °C in temperature, layer thickness 

H=100 m, horizontal permeability kr=370 md, vertical permeability kz=37 md, porosity 

ϕ=30 %, and open boundary at outer radius re=10 km was used for the numerical 

simulation using the multiphase reservoir simulator CMG-STARSTM. The block model 

consists of (1000, 1, 10) grid cells in the coordinate (radius, azimuth, altitude). The 

vertical injection well radius rw=0.1 m was set at the aquifer center. As for the 

Tomakomai CCS project, supercritical CO2 (10 to 14 MPa, 40 °C) is injected from 

perforated halls in all wellbore blocks contacting with the aquifer. Specifically, PBU, 

that is the increase from the initial aquifer pressure (=10 MPa), was controlled less than 

4 MPa (the average PBU in Tomakomai CCS is reported as 0.45 MPa). In addition, in 

the Tomakomai CCS project, 6 sets of CO2 injection with PBU and PFO were 

conducted during 6 months just after the beginning of CO2 storage, so the injection 

period (100 to 500 days) and two injection schemes with single and multiple PBU and 

PFO were created to compare the pressure response. 

On the other hand, the approximate prediction method, which uses the analytical 

solution of the linearized one-dimensional unsteady reservoir flow equation obtained 

by assuming an aquifer with open boundary, uniform permeability, and uniform fluid 

saturation, was presented to predict rough PBU, PFO, and pressure response at a radial 

position. It was shown that the main parameters in the solution are permeability-

thickness product, kr·H, and hydraulic diffusivity, η. 

Chapter 3 is a band for a single scheme that blocks the well after performing CO2 

injection for a certain period (50 to 500 days) at the injection rate qm=100 to 800 t-

CO2/day in the initial stage of CO2 underground storage. It describes the CO2 saturation 
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distribution in the aquifer and the numerical simulation results for PBU and PFO in the 

injection well. The increase in PBU is inversely proportional to kr·H. In addition, until 

the elapsed time t=100 days from the start of CO2 injection, the radius position of the 

CO2 plume front observed at the aquifer top expands in proportion to t1/2, and after the 

shut-in, it gradually expands in proportion to 0.1t due to buoyancy force on CO2. The 

CO2 saturation around the injection well increases to about 0.35 with the elapsed time 

and reduces the effective fluid viscosity. However, the decrease in PBU is about 5% 

compared to the case of injecting saline water. It is the reason that the CO2 saturation 

in the aquifer is limited by the irreducible water saturation of 0.65, and PBU does not 

decrease significantly even if the CO2 viscosity is less than 1/10 of water. On the other 

hand, it was confirmed that the time required to reduce by half the PBU decreases 

exponentially with increasing η. 

Chapter 4 summarizes the numerical simulation results of the pressure response in the 

observation wells to the CO2 injection with a single set of PBU and PFO. In particular, 

the pressure ratio R (=maximum response pressure at the observation well / PBU at the 

injection well) was obtained against the parameters such as permeability kr, CO2 

injection rate q, and the location of the observation well, rm. The pressure ratio value of 

R does not change significantly with qm, but it decreases in inverse proportion to rm. For 

example, when rm=3 km, the range of the pressure ratio is estimated to be R=0.07 to 

0.12 for the base model based on Moebetsu Formation. It was also shown that the time 

delay ∆tmax, which is the time difference between the shut-in time and the time that the 

maximum pressure response is recorded at the observation well, is also inversely 

proportional to η and increases in proportion to rm
2. For instance, when the well distance 

is rm=3 km, it was estimated ∆tmax=2 to 10 days. 

In Chapter 5, the numerical simulation results of pressure ratio, R and the time delay, 

∆tmax for multiple scheme (6 sets of CO2 injection with PBU and PFO), as shown in the 

initial stage of the Tomakomai CCS project, are compared with the single CO2 injection 

scheme. It was revealed that R gradually increases with each repetition of multiple CO2 

injections, but ∆tmax does not show any difference between single and multiple schemes. 



IV 

Finally, when the pressure response at the observation well is used to estimate the 

aquifer condition based on the numerical simulation results, it was shown that the 

observation well location and the minimum sensitivity of the pressure transmitter 

installed are important design factors for the observation well function. For example, 

in the case of the observation well distance is equal to rm=3 km, the minimum sensitivity 

of the pressure transmitter needs approximately 1 kPa order under the absolute pressure 

(or pressure resistance) of 10 to 11 MPa to obtain an accuracy of 2 digits. However, in 

the case in an event in which the minimum sensitivity is 10 kPa order, the well distance 

required should be lesser than, rm=1 km. 

Chapter 6 summarizes the conclusions of this thesis and also explains future research 

topics. 
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Chapter 1: Introduction 

1.1 Global warming and CCS (CO2 capture and geological 

storage) 

Greenhouse gases from human activities are the most significant driver of observed 

climate changes since the Mid-20th century (Edenhofer and Seyboth, 2013; Kweku et 

al., 2017; Mikhaylov et al., 2020; Qiao et al., 2019). The concentrations of greenhouse 

gases such as carbon dioxide (CO2), methane (CH4), chlorofluorocarbons (CFCs), et 

al (Ledley et al., 1999). in the atmosphere are growing faster and faster since the 

industrial revolution which leads to a more and more serious global warming effect. 

Among them, CO2 gas is the main contributor to global warming and climate change 

which makes up an estimated more than 77% of greenhouse gas (Rahman et al., 2017). 

 

Figure 1-1. Correlation between atmospheric concentration of CO2 and the global 

temperature since the 1880s (Humlum et al., 2013) 

As is shown in Figure 1-1 the continuous rise in the Earth’s surface temperature is 

strongly linked with the atmospheric CO2 concentration, which suggests that CO2 is 

a significant contributor to global warming and climate change. According to some 
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statistics (Lake and Lomax, 2019), the average atmospheric CO2 concentration is 

increasing continuously by more than 1.5 ppm/year3. Under this growth rate in the 

average atmospheric CO2 concentration, it will exceed 450 ppm and means the global 

temperature will exceed a dangerous level of over 2°C than the present one within 

the next 20 years (Ritchie and Roser, 2020). 

To mitigate the increasing rate, many intergovernmental organizations have worked 

to assess climate change, exchange technology, and experience of reducing 

anthropogenic CO2 emissions (IEACHG, 2010; Metz et al., 2005; Shackley et al., 

2005). In 2017, a possible frame to reduce CO2 emissions into the atmosphere has 

been agreed upon among countries that joined COP23 (Obergassel et al., 2018). The 

CO2 concentration in the atmosphere could be controlled either by reducing its 

production releasing it into the atmosphere or by capturing and storing CO2 in a safe 

place for a long time. Nowadays, fossil resources are still the domination of the 

energy supply (86% of the global energy supplements in 2017), which means it is 

difficult to cut a large amount of CO2 emission by reducing its production in a short 

period. Even though the new energy industry is developing rapidly, it is not yet 

capable of making a decisive contribution to the replacement of fossil energy to 

reduce CO2 emissions in a short and medium period. 

CO2 capture and geological storage (CCS) provides a promising way to mitigate CO2 

emissions into the atmosphere by capturing CO2 gases from relatively large industrial 

sources, such as power plants, transporting and injecting them into porous and 

permeable storage reservoirs3. The International Energy Agency (IEA) has estimated 

the potential contribution of CCS in mitigation of climate change to be as high as 20 % 

of the global emissions in 2050 and is second only to improvement in energy 

efficiency (Goel, 2012). And they also make the Blue Map reduction plan that it is 

needed to continue annual geological storage of 9.5 Gt-CO2 by CCS for 45 years. 

Therefore, multiple measures are needed to deal with the more and more serious 

climate change and global warming to transition the situation of fossil fuel exhaustion.  
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1.2 CO2 properties in reservoir condition and pressure build-up 

induced by CO2 injection 

1.2.1 CO2 properties in reservoir condition 

Three main underground storage reservoirs have been identified: saline aquifers, 

depleted oil and gas reservoirs, and unminable coal seams (Yang et al., 2010). Deep 

saline aquifers have been considered as ideal storage sites because of the large storage 

capacity and broad distribution worldwide. 

The saline aquifers are geologic layers of permeable rock that are located 1,000 to 

3,000 m undersurfaces (Zhang and Huisingh, 2017) which can ensure injected CO2 

in a supercritical state (Pc>7.39 MPa, Tc>31.26℃) at the reservoir conditions. These 

aquifers are saturated with high-salinity brine water, which is difficult to utilize 

directly, however, can be used as suitable storage sites for CO2. 

 

Figure 1-2. Density and viscosity value of CO2 (Nordbotten et al., 2005) 

The density and viscosity value for CO2 is shown in Figure 1-2. CO2 is in a 

supercritical state (Hereinafter scCO2) in the reservoir condition with a large density 

(150-800 kg/m3) and viscosity (0.023×10-6-0.0611×10-6 kPa·s) than it was in a gas 

state (Nordbotten et al., 2005). However, the density of scCO2 is still smaller than 

that of saline water (>1000 kg/m3) which will make the injected CO2 cumulative 

below the seal layer under the action of buoyancy force.  
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1.2.2 Pressure build-up induced by CO2 injection 

Several ongoing pilots and commercial CCS projects have suggested that CO2 

geological storages in deep sedimentary formations are technologically feasible 

(Eiken et al., 2011; Hansen et al., 2013; Tanaka et al., 2014). However, the CO2 

reduction rate by CCS projects is limited at present because enough CCS projects 

have not been implemented by economical and safety issues that are related to social 

acceptance (Romasheva and Ilinova, 2019). Most of the existing CCS projects are on 

a pilot scale for the purpose of obtaining experience for future commercial-scale CCS 

projects, which is not enough to store a large amount of CO2. According to the 

existing CCS project monitoring data and some theoretical and numerical studies 

(Rutqvist, 2012), to make a significant contribution to the mitigation of climate 

change, many commercial CCS projects with larger CO2 injection rates from an 

injection well need to be planned and implemented. The pressure build-up induced 

by CO2 injection may be a threshold to limit the single-well injection rate and the 

safety of storage. Thus, studying the injection-induced pressure build-up, the integrity 

of the seal layer is the key point to make sure the stability and safety of sequestered 

CO2 (Shukla et al., 2010). 

 

Figure 1-3. Schematic of pressure build-up induced by CO2 injection 

A suitable CO2 storage site should have a relatively large permeability and porosity 

to store a large amount of CO2. Above the reservoir is a top seal layer as a flow barrier 

with a permeability far less than the reservoirs to stop the stored CO2 from leaking to 

the surface or sea bottom, like unfaulted clays, claystones, mudstones, or salt beds. 
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Ideally, the caprock could be plastic, having a high capillary entry pressure and 

homogenous over a large lateral distance (Rutqvist, 2012). During injection, the CO2 

injection-induced pressure elevate in the reservoir from its original geomechanical 

pressure. Because of the buoyance force, the injected CO2 accumulates below the seal 

layer which may result in a high-pressure concentration around the seal layer, and 

high-pressure build-up will provide a large risk to the seal layer which may damage 

the seal layer and lead to the leakage of CO2 (Gao et al., 2014; Meckel et al., 2013; 

Pourtoy et al., 2013). Figure 1-3 shows the schematic of pressure build-up induced 

by CO2 injection, high pressure will accumulate in the vicinity of the injection well. 

If the BHP overpressure exceeds the capillary entry pressure, the caprock will be 

broken and act as a permeability channel for the CO2 to diffuse to the up-layers.  

1.3 Review of the pressure build-up and fall-off studies 

Most of the studies based on CCS are simulation studies to reproduce the performance 

of the storage reservoir and build-up models to fit the field observational data and 

make an estimate of the pressure build-up and CO2 plume front. (Heath et al., 2014) 

(Khan et al., 2020; Zhang et al., 2016b) studied the impact of boundary conditions 

and brine extraction on geologic CO2 storage efficiency and pressure build-up. Using 

numerical simulation to study investigates storage efficiency of multiwell CO2 

injection and estimate the risks of CO2 storage. A lot of factors will influence the 

pressure build-up. (Oruganti and Bryant, 2009) run a simulation study of pressure 

build-up during CO2 storage in partially confined aquifers using the simulator CMG 

STARS. And conclude that the variation of fluid viscosity with pressure and 

temperature is the dominant effect on injectivity and pressure build-up. (Mathias et 

al., 2011) studied the pressure build-up during CO2 injection into a closed brine 

aquifer and estimated the storage capacity of geological reservoirs for CO2 storage. 

(Wu et al., 2018) derived a new governing equation based on the continuity equation 

that gives an advanced analytical solution about the evolution of fluid pressure with 

focusing on the role of fluid compressibility. (Vilarrasa et al., 2010) studied the effect 
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of CO2 compressibility on CO2 storage in deep saline aquifers. And find that the error 

in the interface position caused by neglecting CO2 compressibility is relatively small 

when viscous forces dominate, while it can become significant when gravity forces 

dominate, which is likely to occur at late times of injection. (Joshi et al., 2016) has 

build-up a simulation model to study the pressure evolution during multiple-wells 

injection CO2 in saline aquifers. (Cihan et al., 2013) presented the developed 

analytical solution for pressure build-up and leakage rate in a multilayered aquifer-

aquitard system. (Ashraf, 2014) studies how heterogeneity variation over 160 

geological realizations influences the pressure behavior of a typical CO2 injection 

operation. (Grude et al., 2014) studied the pressure effect caused by CO2 injection in 

the Tubåen formation, the Snøhvit field. And analyzing the salt precipitation on 

pressure build-up by reducing the porosity and permeability. (Benisch and Bauer, 

2013) studied the short and long-term regional pressure build-up during CO2 injection. 

And demonstrates that the maximum leakage risk in the caprock may occur 

significantly after the injection period, not at the end of the injection. (Zhou and 

Birkholzer, 2011) studied the scale and magnitude of pressure build-up and brine 

migration induced by large-scale geologic storage of CO2. (Kim et al., 2011) run the 

numerical simulation to study pressure evolution from CO2 injection in saline 

aquifers effect by salt-precipitation on reservoir permeability, porosity, residual gas 

saturation et al.  

Few researches focus on the pressure fall-off by injecting CO2. Most of them are 

estimating the reservoir conditions by analyzing the pressure fall-off data. (Otake, 

2013) evaluated the CO2 distribution underground from the injector’s time-lapse 

pressure fall-off analysis. (Grude et al., 2014) detected a low permeability zone in the 

Tubåen Formation at the Snøhvit field through analyzing the fall-off pressure data. 

(Ehlig-Economides et al., 2010) highlight the significance of pressure fall-off tests 

into the real-time movement of saturation fronts and mobility behavior in the aquifer. 

Some researches focused on estimating the reservoir CO2 storage capacity and 
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injectivity. (Smith et al., 2011) investigated the impact of boundary conditions on 

pressure build-up and estimate the CO2 storage capacity. (Wu et al., 2016) derived an 

explicit solution for the pressure build-up during CO2 injection into infinite saline 

aquifers to obtain the pressure of the reservoir and evaluate the injectivity and safety 

of reservoirs. (Thibeau et al., 2014) used pressure and volumetric approaches to 

estimate CO2 storage capacity in deep saline aquifers with the extraction of water for 

pressure maintenance. (Gasda et al., 2017) has investigated the pressure-limited 

storage capacity of the Utsira Formation in the Sleipner CCS project and find that the 

Utsira can withstand injection rates over 100 Mt/y for 50 years, which is equivalent 

to 8.3 Gt of CO2. (Mathias et al., 2009a, b) presents a simple methodology for 

estimating pressure build-up and screening and selection of sites for CO2 

sequestration. 

Nowadays, more and more researchers are focus on how to decrease the pressure 

build-up. (Singh, 2018) investigated four different injection schemes and compared 

the injection-induced pressure build-up, the results show that a step-wise injection 

scheme can prevent a high-pressure build-up. (Fujita et al., 2017) conducted a 

simulation study based on the Tomakomai CCS project to evaluate the effectiveness 

of mitigating the pressure build-up by producing the formation water before and 

during the injection. And think it was a method to increase the effective capacity of 

injectable CO2. (Kim and Shin, 2019) also, think about reducing the pressure build-

up by producing the formation water. And a dual tubing CO2-water production 

horizontal well was considered by a simulation study. The CO2 is injected at the heel 

of the horizontal well while the formation water is produced at the toe.  

1.4 Monitoring system for CCS 

Generally, to confirm that the injected and stored CO2 is in safe and stable condition, 

it is necessary to grasp the behavior of CO2 in the reservoir and to detect whether 

there is leakage of CO2 out of the reservoirs or not (Tanaka et al., 2014).  

There are a lot of monitoring items to grasp the condition of the geological formations, 
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pressure and temperature changes, the integrity of formation, and CO2 saturation and 

plume performance, et al.. Typically, Table 1-1 shows the monitoring items of the 

Tomakomai CCS project (Tanaka et al., 2014), five continuous monitoring items, and 

three periodic monitoring items are in operation. The continuous monitoring items 

are temperature and pressure in two injection wells, temperature and pressure changes 

in two remoted observation wells, and seismic monitoring at ocean bottom and 

onshore, while the periodic monitoring items are marine environmental observation 

(seawater, bottom mad, and sea lives) and 2D and 3D seismic surveys. Especially, 

two observation wells were drilled from onshore to Moebetsu Formation (1100-1200 

m below) and Takinoue formation (2400-3,000 m below) to record continuous 

passive changes in aquifer pressure, temperature, and CO2 saturation in each 

formation. Those monitoring data recorded in the observation wells can be used to 

detect the movement of CO2 plume and judge the stability of stored CO2 based on 

comparisons with the numerical simulation results using the aquifer models. 

Table 1-1. Monitoring items for Tomakomai CCS project (Tanaka et al., 2014) 

Items Observed objects 
Observation 

frequency 

Injection well 
1. Downhole: temperature and pressure  

2. Wellhead: pressure, injection rate of CO2 
Continuous 

Observation well 
1. Downhole: temperature and pressure, 

micro-seismicity, and natural earthquakes 
Continuous 

OBC: ocean bottom  

cable 

1. Micro-seismicity and natural earthquakes 

2. Signal of 2D seismic survey 
Continuous 

OBS: ocean bottom 

seismometer 
Micro-seismicity and natural earthquakes Continuous 

Onshore seismometer Micro-seismicity and natural earthquakes Continuous 

2D seismic survey Distribution of CO2 Periodic 

3D seismic survey Distribution of CO2 Periodic 
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Marine environmental 

monitoring 
Chemical, physical, and biological data Periodic 

1.5 Three commercial CCS projects and the Tomakomai CCS 

project 

1.5.1 In Salah CCS project 

The In Salah CCS project started injection CO2 into Krechba Formation located a 1.9 

km deep Carboniferous sandstone unit in 2004. Two horizontal CO2 injection wells 

(KB-502 and KB-503) were used to inject CO2 into the depleted gas reservoir. One 

abandoned test well in the area (KB-5) was used to detect the CO2 plume, and the 

vertical microseismic monitoring well (KB-601) The permeability of the reservoir is 

only 1.3×10-14 m2 (13 md) and the porosity is about 0.17. The thickness of the 

reservoir is about 20 m. Figure 1-4 shows the In Salah CCS project and the surface 

deformation induced by the CO2 injection. Over the first few years of injection, the 

InSAR data showed an uplift rate on the order of 5 mm/year above active CO2 

injection wells (Goertz-Allmann et al., 2014; Rutqvist et al., 2010). The background 

colour indicates the observed surface deformation due to CO2 injection (data obtained 

from Tele-Rilevamento Europa TRE). The red box shows the region of interest. 

There were few BHP data reported, however, the estimated flowing BHPs are around 

29 MPa (based on extrapolation from surface data), considerably higher than the 

initial formation pressure 18-19 MPa. The maximum pressure increase of about 10-

11 MPa above the ambient initial formation pressure has exceeded the fracturing 

gradient (Rutqvist, 2012; Tanaka et al., 2014). The In Salah CCS project in Algeria 

has shown significant geomechanical changes because of the injection pressure and 

site-specific geomechanical conditions. Despite the injection rate of the In Salah CCS 

project was just 1-1.2 Mt/year, it was still shut down in June 2011 due to concerns 

about the integrity of the seal layers (Eiken et al., 2011; Verdon et al., 2013). 
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Figure 1-4. Krechba Formation, In Salah, Algeria showing the location of two 

horizontal CO2 injection wells (KB-502 and KB-503), one abandoned test well in the 

area (KB-5), and the vertical microseismic monitoring well (KB-601). (Goertz-Allmann 

et al., 2014) 

1.5.2 Snøhvit CCS project  

In the Tubåen Formation at the Snøhvit field Norway (offshore CCS project), Statoil 

successfully injected 1,600,000 tons of CO2 from April 2008 to April 2011 with a 

maximum injection rate of 0.7 Mt/year. It is another CCS program that extracts the 

CO2 gas from the gas production well and injection into the underground formation. 

The reservoir cross-section at Snøhvit is shown in Figure 1-5. 

Saline Tubåen Sandstone Formation reservoirs at 2.6 km below the sea bed. The 

thickness of the Tubåen Formation is about 45-75 m and the permeability of the 

reservoir was estimated at 0.1-8×10-13 m2 (10-800 md). The sandstone porosity ranges 

from 0.07-0.20.  

Even though the reservoir permeabilities are larger than fracturing gradient have been 

measured from cores, the effective permeability of the Tubåen Formation units 
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around the injection well (F2-H) are much lower than the core data. The lateral extent 

of such good sands is uncertain, and it was considered as a closed reservoir that is 

easy to make a high-pressure build-up. The initial pressure is 28 MPa, and the 

threshold fracture pressure of the seal layer is estimated as 38.8 MPa. Maximum 

bottom-hole pressure of 39 MPa that been monitored for the Tubåen storage site. It 

had to stop the CO2 injection due to a huge increase in bottom hole pressure before 

reaching the full storage capacity of the Tubåen Formation (Hansen et al., 2013). 

 

Figure 1-5. Geological cross-section N-S through the reservoir section at Snøhvit (the 

red dots indicate perforation locations in Tubåen) (Hansen et al., 2013) 

1.5.3 Sleipner CCS project 

The Sleipner CO2 storage project of North-Sea, Norway is considered the world’s 

first industrial-scale CO2 injection project designed specifically as a greenhouse gas 

mitigation measure. The CO2 is injected into the Utsira Formation that a deep saline 

reservoir 800-1,000 m below the sea bed with a range of thickness 200-250 m. The 

porosities of the Utsira Formation are 0.35-0.40 and permeabilities above 1×10-12 m2 

(1000 md). Over 16 million tonnes of CO2 have been injected since the project started, 

no significant geomechanical changes have been detected with a maximum injection 

rate of 0.9 Mt/year (Alnes et al., 2011; Cavanagh and Haszeldine, 2014; Gaus et al., 

2005). the pressure build-up induced by CO2 injection is very small even with a 

higher single-well injection rate. Figure 1-6 shows the repeated seismic section of the 
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Sleipner by (Furre et al., 2015). The injected CO2 is successfully stored in the saline 

aquifer and accumulated below the seal layer, with almost no leakage to the up-layer. 

The bottom hole pressure was not measured, but the stable injection and 4D seismic 

images suggested only a small pressure build-up in the reservoir (Eiken et al., 2011) 

that far from the threshold pressure.  

 

Figure 1-6. Seismic section N-S at Sleipner (Furre et al., 2015; Ringrose et al., 2020) 

It is clear that abounded aquifer with small permeability is easier to induce a large 

pressure build-up and the injection rate of a single injection well will also be limited 

by the integrity of the formations especially the seal layers. Besides, the heterogeneity 

of the aquifer will also have great influences on the pressure build-up and evolution 

in the reservoir. 

1.5.4 Tomakomai CCS project 

The Tomakomai CCS project of Japan is a large-scale CCS demonstration project as 

established in 2008 and started injection in 2016. Two horizontal injection wells were 

drilled from onshore to Moebetsu Formation (1,000-1,200 m below the sea bed) and 

Takinoue Formation (2,400-3,000 m below the sea bed). The Takinoue Formation 

was estimated to have a porosity of 0.20-0.40 and permeability of 9-25 md (Tanaka 

et al., 2017). However, this analysis has overestimated the permeability and the 

injectivity is far smaller than the initial estimation (nano darcy order in permeability) 
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(Sawada et al., 2018). For the Moebetsu Formation, it was estimated to have a 

porosity of 0.03 to 0.19 and permeability of 0.01 md to 7 md before injection. The 

brine injection test immediately following the drilling and completion of IW-2 

indicated that the injectivity of the Moebetsu Formation was very high (hundreds 

millidarcy order in permeability).  

The testing CO2 injection into the Moebetsu Formation was conducted between April 

6th and May 24th, 2016 with 180 to 600 t-CO2/day in injection rate and 7,163 t-CO2 

in cumulative amount (Sato and Horne, 2018). The threshold pressure was set at 14 

MPa. The initial Moebetsu Formation pressure at the injection well was 9.3 MPa and 

the maximum bottom hole pressure in the injection well was recorded during the test 

injection was 10 MPa at the maximum injection rate of 0.216 Mt/year and cumulative 

CO2 injection was around 0.3 Mt-CO2 during 4 years injection (Sawada et al., 2018; 

Tanaka et al., 2017).  

 

Figure 1-7. Layout of the Tomakomai CCS project monitoring facilities 

Figure 1-7 shows the Tomakomai CCS project monitoring items. Two observation 

wells were drilled to record continuous passive changes in aquifer pressure and 

temperature and CO2 saturation in each formation. An observation well OB-2 was 
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planned (Tanaka et al., 2014) which was drilled 3 km from the injection well in 

Moebetsu Formation with installing pressure and temperature transmitters.  

However, there is no pressure response recorded in the At present, the reason for the 

no-pressure response at the observation well was explained as the sensitivity of the 

pressure transducer is not sufficient to detect the pressure propagation from the 

injection well to the observation well. 

1.6 Bottom hole pressure monitoring and observation well 

1.6.1 Bottom hole pressure monitoring 

Pressure monitoring is one of the continuous monitoring items. The monitoring of 

bottom hole pressure can provide real-time feedback on the reservoir situation and 

the integrity of the seal layer. It can be seen in Figure 1-8, the temperature and 

pressure sensors and downhole seismic sensors were installed in the bottom hole of 

the CO2 injection well. to monitor the bottom hole pressure (Finley et al., 2013; 

Kelley et al., 2014; Meckel et al., 2013; Zhong et al., 2019), temperature (Tao et al., 

2013; Zhang et al., 2016a), and the microseismic response (Stork et al., 2015) 

continuously. 

As has been shown in Table 1-1, an observation well drilled with a large distance 

from the injection well to detect the pressure response induced by CO2 injection is 

also another method to grasp the reservoir condition, for instance, the hydraulic 

conductivity and the leakage or not of the injected CO2. It can be seen in Figure 1-8, 

observation well is drilled far from the injection well to permit the observation of 

subsurface conditions. Temperature and pressure gauges are also installed in the 

bottom hole for continuous monitoring. 

If the distance from observation wells to the injection well is too small, it can indeed 

be used to detect the CO2 plume front development. However, according to some in 

situ experience, the greatest risk of CO2 leakage for any geological storage project is 

associated with old wells and observation wells (Mathieson et al., 2010). Thus, an 
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observation well with a small distance to the injection well also creates a new 

potential pathway for CO2 leakage to the sublayers which will limit the CO2 

injectivity. Furthermore, drilling a new observation well needs an additional budget 

and it may create a new potential pathway for CO2 leakage to the surface. Therefore, 

the observation well and installed sensors, such as distance from a CO2 injection well 

and the sensor sensitivity, should be well-designed before drilling an observation well. 

 

Figure 1-8. Pressure monitoring in the injection well and observation well 

1.6.2 Observation well for detecting the reservoir pressure response 

The current observation wells for the CCS projects are mainly drilled to grape the 

CO2 plume front position (Hosseini et al., 2018; Hu et al., 2015; Mathieson et al., 

2011; Mathieson et al., 2010). Because the pressure response of observation well is 

very small, few researches focus on the pressure response of observation well. 

However, the monitoring depending on the observation well is also an effective 

monitoring means, and those monitoring data recorded in the observation wells can 

be used to detect the movement of CO2 plume and judge the hydraulic properties of 

the reservoir based on comparisons with the BHP of injection well. Nowadays few 

CO2 storage programs and researches focus on the pressure response of observation 

well. In this study, the monitoring system between the injection well and observation 

well was studied to design a reasonable observation well. This can give us another 
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choice to estimate the hydraulic properties of the reservoir and the safety of 

sequestered CO2. In the following, observation wells in the current two CCS projects 

were introduced briefly.  

The In Salah CCS program used an observation well KB-5 (Figure 1-4) (Durucan et 

al., 2011; Stork et al., 2015) with a distance of 1.3 km from the injection well KB-

502 by analyzing the gas tracer injected together with CO2 to gain the CO2 plume 

development. The observation well KB-5 was used for detecting CO2 plume position 

not for the pressure analyzing and it was abandoned gas production well drilled in 

1980 not well designed for the CCS program.  

A Ketzin pilot CCS program in Germany used two observation wells (Ktzi 200 and 

Ktzi 202) to detect the pressure evolution during injection operation with a distance 

of 50 m and 112 m from injection well Ktzi 201 (Max. injection rate 0.028 Mt-

CO2/year) respectively (Liebscher et al., 2013; Prevedel et al., 2014; Wiese et al., 

2013). The porosity of the reservoir was estimated as 0.13-0.26 by core test and the 

experimental measurements and NMR data on core samples and in site hydraulic 

testing indicate permeabilities around 1×10-13 m2 (100 md). The pressure build-up of 

the injection well was about 1.1-1.7 MPa, while the magnitude of pressure response 

at observation wells was recorded about 0.4-1.0 MPa with the varying injection rates 

and several shut-in phases.  

1.7 Objectives of study and the outline of chapters 

1.7.1 Objectives of the present study 

In this study, the pressure monitoring system with an observation well against the 

pressure build-up was the focus. Even the Tomakomai CCS project drilled an 

observation well without test and verification before drilling. It gives us an idea to 

build-up a monitoring system that combined both the pressure in the injection well 

and the pressure in an observation well. Combined with the Tomakomai CCS project 

to study the possibility of drilling an observation well that is far from the injection 
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well (>1000 m) by investigating relations between pressure response at an 

observation well induced by CO2 injection in the early stage of CO2 geological 

storage in a deep saline aquifer. A criterion to select a pressure transducer installed at 

an observation well to monitor the pressure responses with sufficient accuracy and 

resolutions versus the location distances from the injection well and the pressure 

build-up at the injection well will be discussed. The results can be used as reference 

data for design an observation well location and installed sensors (or transmitters).  

1.7.2 Outline of chapters 

Chapter 1: introduces the recent CCS projects in the world and the technological 

development challenges for monitoring systems related to safe CO2 geological 

storage. The aquifer characteristics and pressure build-up induced by injection CO2 

between three world-famous CCS commercial projects including the Tomakomai 

CCS project are reviewed. The monitoring of reservoir pressure was introduced. One 

of the monitoring items carried in the current CCS projects, the pressure response at 

an observation well drilled a few kilometers away from the injection well is 

highlighted. 

Chapter 2: describes the aquifer and injection well modeling for CO2 storage. A three-

dimensional cylindrical model was constructed base on the hydraulic properties of 

the Moebetsu Formation mainly targeted by Tomakomai CCS project. Two injection 

schemes with single and multiple PBU and PFO were created to compare the pressure 

response. The approximate prediction method, that uses the analytical solution of the 

linearized one-dimensional unsteady reservoir flow equation obtained by assuming 

open boundary, uniform permeability, and uniform fluid saturation, was presented to 

predict rough PBU, PFO, and pressure response at a radial position. 

Chapter 3: is a band for a single scheme that blocks the well after performing CO2 

injection for a certain period (50 to 500 days) at the injection rate qm= 100 to 800 t-

CO2/day in the initial stage of CO2 underground storage. It describes the CO2 

saturation distribution in the aquifer and the numerical simulation results for PBU 
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and PFO in the injection well.  

Chapter 4: summarizes the numerical simulation results of the pressure response in 

the observation well to the CO2 injection with a single set of PBU and PFO. In 

particular, the pressure ratio R (=Max. response pressure at the observation well /PBU 

at the injection well) was obtained against the parameters such as permeability kr, 

CO2 injection rate qm, and the location of the observation well, rm.  

Chapter 5: the numerical simulation results of pressure ratio, R and the time delay, 

∆tmax for multiple-injection scheme (6 sets of CO2 injection with PBU and PFO), as 

shown in the initial stage of Tomakomai CCS project, are compared with the single 

CO2 injection scheme. 

Chapter 6: summarizes the conclusions of this thesis and also explains future research 

topics.  
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Chapter 2: Numerical simulation model and analysis 

method 

2.1 Aquifer modeling  

As shown in Figure 2-1, the three-dimensional cylindrical grid system with (r, φ, z) 

coordinate was used to construct the reservoir model to simulate pressure and CO2 

saturation distributions by injecting CO2 from an injection well located at r=0 m into 

an aquifer with radius rw. It was assumed that the aquifer has a uniform porosity and 

permeabilities in horizontal and vertical directions, respectively. Its outer boundary 

at r=re is kept being equal to the initial pressure (open boundary). On the other hand, 

no-flow across the top and bottom boundaries. The CO2 plume front position, rp is 

defined as a position where CO2 saturation; SCO2=0.01 that is the minimum detectable 

CO2 saturation in present simulations. 

Pure CO2 was injected from the injection well into the aquifer located in the center 

of the model. The radial distance at a hypothetical observation well from the injection 

well was defined as rm. The change of pressure in the aquifer at r=rm was used as the 

pressure response at the well bottom of the observation well connects to the aquifer. 

Numerical simulations were conducted using the compositional reservoir simulator 

CMG-STARSTM. 

 

Figure 2-1. Schematic reservoir model 
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2.2 Numerical simulation system and block model 

2.2.1 Block model setting using simulator CMG-STARSTM 

The simulator CMG STARS (Steam Thermal and Advanced Processes Reservoir 

simulator) is a new generation reservoir simulator developed by Computer Modeling 

Group Limited for modeling the flow of three phases, multi-component fluids. CMG 

STARS can be used to model compositional, steam, geomechanical, dispersed 

component (polymer, gels, fines, emulsions, and foams) and in-situ combustion 

process. CMG STARS uses a discretized wellbore model which improves modeling 

by discretizing the wellbore and solving the resulting coupled wellbore and reservoir 

flow problem simultaneously. The adaptive implicit mode in CMG STARS decides 

from time-step to time-step which blocks must be solved in implicit or explicit modes.  

There are two types of gridding in the CMG STARS, namely rectangular Cartesian 

grid and radial-angular grid. In this simulation study, the radial-angular grid was used. 

Since the grid number of the CMG STARS is limited, and it should be less than 

10,000 grids. In this simulation study, A typical aquifer model was set by setting 

rw=0.1 m and re=10 km. The grid-blocks consist of 1,000×1×10 grid cells in the 

coordinate (radius, azimuth, altitude) directions. The 200 grid-cells between r=0.1 to 

400 m, 800 grid-cells between r=400 to 10,000 m were set in the simulation model. 

The reservoir consists of 10 layers with a constant spacing of 10 m in the vertical 

direction. The radial distance at a hypothetical observation well from the injection 

well, rm was assumed to be a range of rm=1,000 to 5,000 m. The meshing of the 

aquifer region in r and z directions is shown in Figure 2-2 and the simplified 

numerical grid blocks model is shown in Figure 2-3. 

For this homogeneous model, off-take at the outer boundary of the model is simulated 

using a production well and the block was defined as a high permeability (10,000 

md). The production well is used to maintain the reservoir pressure constant by setting 

a BHP constraint as the same as initial pressure. 
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Figure 2-2. Schematic diagram of meshing in the vertical section 

 

Figure 2-3. Simplified numerical grid blocks model in 3D view 

2.2.2 Component Properties 

The aquifer was assumed to be composed of two components namely brine and CO2. 

CO2 was defined as gas although it is in a supercritical phase in the reservoir condition. 

Table 2-1 shows the summary of the physical properties of these two components 

used in the base model. In the CMG-STARS, the definition of the fluid component 

viscosity uses the correlation below: 

=  
b

Ta e      (2-1) 

Where a and b are coefficients that should be defined in the simulator. 

The viscosity depends only on temperature. In present simulations, assuming the 

ground surface temperature was 15 ℃ and geothermal gradient as 2.5 to 2.75 ℃/100 

m, the temperature of the targeted aquifer becomes 40 to 42.5 ℃ and the CO2 

injection temperature was specified as 40 ℃. Therefore, the operation of injection 
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CO2 was almost equal to be an isothermal injection process. And the viscosity of both 

CO2 and brine water will be assumed approximately constant. 

Table 2-1. Summary of the component properties 

Component Brine CO2 

Molecular weight (kg/gmole) 0.018015 0.04401 

Critical pressure (kPa) 22048 7376 

Critical temperature (oC) 374.15 31.05 

Density (kg/m3) 1030 600 

Viscosity (kPa·s) 6×10-7 0.429×10-7 

2.2.3 Rock Fluid Data 

Only one rock type is defined for the aquifer, sandstone. Using the default wettability 

of water-wet. In this model, the formation is an aquifer, therefore, only brine water 

exists in the pore spaces. The water and gas relative permeability was assumed to be 

functions of their saturations and oil permeability are calculated by using the two-

phase relative permeability, water-oil and gas oil, from Equation 2-2 given below: 

( )( ) ( )( ) ( ) ( ) ( ) ( ) ( ) ( ) ( ) ( )ro ro w ro wi rw o ro g ro wi rg o ro wi rw o rg ok k k k k k k k k k= + + +  −  +  (2-2) 

Where kro(wi) is the oil relative permeability measured at irreducible water saturation 

with no gas present, kro(w) and kro(g) is the oil relative permeability calculated at So=1-

Sw and So=1-Sg-Swi, respectively. krw(o) and krg(o) are water and gas relative 

permeability at two-phase water-oil and oil-gas systems (CMG-STARSTM). 

In this study, there is no oil saturated in the formation, and two phases’ relative 

permeability curves are calculated based on the Brooks-Corey-Burdine Model 

(Garimella et al., 2019) expressed as following equations (2-3) to (2-5). 
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Figure 2-4. Relative permeability curves used in present simulations (Brooks-Corey-

Burdine Model) (Garimella et al., 2019) 

Where Se is the effective saturation, krw and krg are the aqueous and gas phase relative 

permeability, Sl is aqueous phase saturation, Slr and Sgr are aqueous and gas phase 

residual saturations, and λ is the pore size distribution index. In present simulations, 

Swr=0.2, Sgr=0.05, and λ=0.5. The relative permeability curve is shown in Figure 2-4. 

Based on the relative permeability curves, the remaining water saturation after 

displacement CO2 gas is almost Sw≈0.65 which means CO2 gas saturation becomes 

Sg≈0.35 in an aquifer except near the well. 

2.3 Definition of pressure and time 

The initial pressure of the saline aquifer was set as p0=10 MPa in this simulation. The 

BHP in the injection well is equal to p0+pi. To analyze the pressure response and 

distribution of CO2 saturation in the aquifer for a constant CO2 mass injection rate qm 

(t-CO2/day) is defined in Figure 2-5.  
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Figure 2-5. Schematic diagram of defined variables 

When the injection well is shut-in after the CO2 injection for a period, ti, the pressure 

response of observation well observes the pressure change from the initial pressure 

with a peak value, ∆pmax recorded after the delay time, ∆tmax from the shut-in time at 

the injection well. The transmission delay time is referred to as the hydraulic 

diffusivity of the aquifer. The ratio of pressure response at the observation well 

against the pressure build-up is defined as Equation 2-6 in this study because it shows 

a pressure transient property reflected by the aquifer reservoir characteristics does not 

relate to the magnitude of pressure build-up.  

max

i

p
R

p


=     (2-6) 

Simulations were carried out to investigate the pressure response and the delay time 

of the peak pressure in the observation well with comparing CO2 plume front position 

extending to the outer ward.  

2.4 Linearized Radial flow equation and estimation solution 

Assuming porous media is viscous-dominated and there is no turbulent flow, the flow 

in porous media can be described by Darcy’s law for a single incompressible fluid 

phase that is shown in Equation 2-7 (Hubbert, 1953): 
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( )
k

p g z
μ

q = −  −      (2-7) 

Where q is the vector of the volumetric flow rate, k (m2) is permeability, µ and ρ (Pa·s) 

are the viscosity and density of the reservoir fluid, g is the gravitational acceleration 

vector directed downwards, p is the hydraulic gradient. 

Without considering gravity in the vicinity of an injection well, the governing 

equation on pressure p (Pa) for one-dimensional radial linearized flow assuming 

constant compressibility in the aquifer is given as (IEACHG, 2010; Matthews and 

Russell, 1967; Terry et al., 2015): 
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1 1p p p
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+ =

  
    (2-8) 
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C


 
=      (2-9) 

where η (m2/s) is hydraulic diffusivity, ϕ is reservoir porosity, µ (Pa·s) is the viscosity 

of the reservoir fluid, Ct=Cr+Cf (Pa-1) is the total value of rock compressibility (Cr) 

and reservoir fluid compressibility (Cf), t (s) is the time from the start of CO2 injection. 

The hydraulic diffusivity η is a parameter to control unsteady pressure transient. 

The pressure build-up in an injection well defined as pi under the general steady-state 

radial flow is proportional to the fluid injection rate q (m3/s) and reservoir fluid 

viscosity μ, while it is inversely proportional to the transmissivity of the reservoir 

(Paul et al., 2014) Κ=kr·H (m3) consists of horizontal permeability kr and the reservoir 

thickness H. The transmissivity K expresses the ability of fluid flow in the reservoir. 

The radial flow solution for steady-state (∂p/∂t=0) in Equation 2-10 is given as the 

following equation (IEACHG, 2010; Van Everdingen and Hurst, 1949): 
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where pwf is the bottom hole pressure of injection well, p0 is the initial pressure of the 
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reservoir, re (m) is effective reservoir radius, the extend from injection well to 

reservoir boundary where the pressure is kept as the initial hydrostatic pressure, rw 

(m) is the radius of injection well. 

Assuming the reservoir fluid is uniform and uncompressible (Cf=0 and ρ=const), a 

typical solution of radial transient flow can be written as31: 

0 2
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4 t

q kt
p r t p
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  (2-11) 

where p0 is the initial or outer boundary pressure of the aquifer, qμ/4πkH is treated as 

constant for a constant injection rate q set in the simulations. This solution shows the 

reservoir pressure build-up in different injection times and different radial distances 

from the injection. The transient pressure changes in the aquifer at an elapsed time 

from the start of injection expressed by the transient flow equation can be shown in 

Figure 2-6.  

Assume the pressure response at the observation well at r=rm is ∆p (Pa), it can be 

estimated by: 

0( ) ( , )-mp t p r t p =     (2-12) 

The pressure response at an observation well is roughly estimated from pressure 

changes between build-up and fall-off that are calculated from Equation 2-11 by 

replacing r=rm. The transient condition is applicable only if it is assumed that the 

pressure response in the aquifer is not affected by the presence of the outer boundary, 

thus the reservoir appears infinite in extent (Dake, 1983). In this study, a constant 

pressure boundary was assumed that is similar to an infinite reservoir. It is possible 

to use this equation to estimate rough pressure response at the observation well. 
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Figure 2-6. Schematic solution showing transient pressure for pressure build-up at an 

injection well 

The distance from the CO2 injection well (r=rm) is the key parameter to control the 

magnitude of pressure response at the observation well that is equal to the pressure 

change in the reservoir due to CO2 injection from the injection well to analyze the 

aquifer condition. According to Equation 2-11, the magnitude of the response 

pressure is proportional to the injection rate q and the injection period t, And the 

distance from the injection well, defined as rm, which is almost inversely proportional 

to the pressure response.  

2.5 Injection schemes and parameters setting 

2.5.1 Injection schemes 

Only one vertical injection well located at the center of the aquifer was defined. The 

location of the grid blocks containing the injection well. Injected fluid is pure CO2; 

therefore, the mole fraction of the injected gas is entered as 1. CO2 injection 

temperature is chosen to be equal to the aquifer temperature and injection pressure is 

chosen as 10-14 MPa so that the injected CO2 is in the supercritical state. 

Two operating constraints are chosen for each simulation. The first operating 

constraint is the maximum gas injection rate controlled by BHP which must be less 
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than the threshold capillary pressure and enough below than fracture pressure of the 

caprock (Fitts and Peters, 2013; Shukla et al., 2010) or upper sealing layer. In the base 

model, the CO2 injection rate was kept as qm=600 t-CO2/day (q=323448 m3 std/day, 

ρCO2=1.855 kg/m3 at the surface condition). The second one is the maximum bottom 

hole pressure to avoid the cap rock fracturing. The maximum BHP has been set as 

90% of the threshold capillary pressure (12.6 MPa=14.0 MPa×0.9) measured for the 

Moebetsu Formation (Hubbert and Willis, 1972). 

There are two injection schemes. The single-injection period in the base model was 

assumed as ti=100 days, and distributions of pressure response and CO2 saturation 

were simulated until t=1,000 days from the start of CO2 injection. The single-

injection scheme is shown in Figure 2-8 (a). Another injection scheme is a multiple-

injection scheme. As Tomakomai CCS project, the CO2 injection pattern in the early 

stage of the project showed the series of injections with multiple pressure build-ups 

and fall-offs, because CO2 injection status was tested to check the pressure build-up 

against the injection rate in the early stage of CO2 injection. Another injection scheme 

case to investigate pressure response by the multiple CO2 injections was shown in 

Figure 2-8 (b). The model includes six injection cycles with ti=100 days injection and 

30 days shut-in based on the Tomakomai CCS project (Singh, 2018).  

 

Figure 2-7. The pressure threshold setting for the base model 
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Figure 2-8. Injection scheme for the single injection (a) and multiple injections (b) 

2.5.2 Parameters setting for the simulation study 

The simulation parameters set for the base model based on the Tomakomai CCS 

project are shown in Table 2-2. In the case of Moebetsu Formation targeted in the 

Tomakomai CCS project, the range of horizontal permeability was estimated as 

k=0.98 to 980×10-15 m2 (1 to 1,000 md) from the geophysics measurements, and 

k=3.7×10-13 m2 (=370 md) based on the fall-off test using the injection well after 

drilling. Also, the porosity was measured as ϕ=0.20 to 0.40 by the laboratory core test 

and the excavation result is ϕ=0.12 to 0.42 (Tanaka et al., 2014). In this simulation, 

uniform permeability in the horizontal direction was also set as kr=370 md, in the 

horizontal direction, and the ratio of vertical permeability (ky) to horizontal 

permeability (kr) is ky/kr=0.1. The porosity ϕ=0.30 was used for the base simulations. 

No geochemical reactions and mineralization were considered in the simulations due 

to the short period of fewer than 200 days.  

0 200 400 600 800 1000
0

600

 

 

In
je

ct
io

n
 r

at
e 

q
m
 (

t-
C

O
2
/d

ay
)

Elapsed time, t (day)

0 200 400 600 800 1000
0

600

30 days100 days

100 days

(b) Multiple injection scheme

 

In
je

ct
io

n
 r

at
e 

q
m
 (

t-
C

O
2
/d

ay
)

Elapsed time, t (day)

(a) Single injection scheme



 

30 

Table 2-2. Aquifer parameters and CO2 injection well set in the base model (Costa, 

2006; Sawada et al., 2018; Szulczewski, 2013; Tanaka et al., 2017) 

Parameter 
Present 

Simulation 

Tomakomai CCS 

(Sawada et al., 2018) 

Unit 

(SI) 

Aquifer upper level -1000 -1000~-1200 m 

Aquifer thickness, H 100 100~200 m 

Outer boundary radius, re 104  m 

Initial aquifer pressure, p0 10 9.3 MPa 

Initial water saturation 1  - 

CO2 injection temperature 40 31.1-40 ℃ 

CO2 injection pressure, p0+pi <14 4.0-9.3 MPa 

CO2 injection well radius, rw 0.1  m 

Porosity, ϕ 0.3 0.2~0.4 - 

Horizontal permeability, kr 3.7×10-13 3.7×10-13 m2 

Vertical permeability, kv 3.7×10-14 3.7×10-14 m2 

Rock compressibility, Cr 9.0×10-10  1/Pa 

Brine water compressibility, Cw 1.0×10-10  1/Pa 

SCCO2 compressibility, Cc 4.0×10-10  1/Pa 

Hydraulic diffusivity, η 2.26  m2/s 

Threshold pressure 12.6 12.6 MPa 

Note: SCCO2 means CO2 in the supercritical phase. 

2.5.3 Perforation schemes for injecting CO2 

The CO2 injection well was defined as a vertical well. As different perforation 

schemes will make a difference in pressure build-up at the well, effects of the 

perforation scheme on the CO2 injectivity were discussed. As shown in Figure 2-9, 

some previous studies used different simulation models with the number of 

perforation points and their locations for the CO2 injection (Chadwick et al., 2009; 

Cinar et al., 2008). In this study, the multiple perforation scheme used 10 holes 



 

31 

perforated in the center of each layer (Fig. 2-9 (a)). (Chadwick et al., 2009) used the 

scheme with the injection point located 10 m below the aquifer ceiling (Fig. 2-9 (b)) 

and carried out the sensitive study on the pressure build-up at the well and pressure 

distribution in the aquifer. (Cinar et al., 2008) used the scheme with the injection point 

located in the middle of the reservoir (Fig. 2-9 (c)). 

 

Figure 2-9. Injection well perforation schemes used in previous studies; (a) multiple 

perforations, (b) single perforation hole at the top used by (Chadwick et al., 2009), (c) 

single perforation hole at a position used by (Cinar et al., 2008). 

Figure 2-10 shows the pressure build-up at the injection well with different 

perforation schemes for CO2 injection using the same injection rate. It can be seen 

that the injection with one perforation point will make a dramatic pressure build-up 

within the first hour after the start of injection that is more than twice bigger than that 

of the all perforated injection well (Fig. 2-9 (a)). In the multiple perforation scheme, 

a larger contact area with the reservoir makes smaller pressure build-up and less stress 

on a sealing layer for the same injection rate. Furthermore, only one block in the 

vertical direction may not be rigorous to study the pressure build-up. Without 

considering the pressure gradient of the reservoir, the calculated bottom hole pressure 

may be overestimated. Therefore, in this study, the multiple perforation scheme was 

used for all the simulations to make sure a safe injection with smaller pressure build-

up at the injection well.  
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Figure 2-10. Numerical simulation results on pressure build-up at the injection well in 

different perforation methods of the CO2 injection well using CMG-STARSTM 

2.6 Summary 

1. In this chapter, a three-dimensional cylindrical describes aquifer model was 

build-up. The model was referred to as the Moebetsu Formation mainly 

targeted by the Tomakomai CCS project. The block model consists of (1000, 

1, 10) grid cells in the coordinate (radius, azimuth, altitude). As for the 

Tomakomai CCS project, CO2 is injected from perforated halls in all wellbore 

blocks contacting with the aquifer. Specifically, pressure build-up, that is the 

increase from the initial aquifer pressure (=10 MPa), was controlled less than 

2.6 MPa.  

2. In the Tomakomai CCS project, 6 sets of CO2 injection with pressure build-

up and pressure fall-off were conducted for 6 months just after the beginning 

of CO2 storage, so the injection period (100 to 500 days) and two injection 

schemes with single and multiple pressure build-up and fall-off were created 

to compare the pressure response. 
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3. The approximate prediction method, that uses the analytical solution of the 

linearized one-dimensional unsteady reservoir flow equation obtained by 

assuming open boundary, uniform permeability, and uniform fluid saturation, 

was presented to predict rough pressure build-up, pressure fall-off, and 

pressure response at a radial position from the injection well. It was shown 

that the main parameters in the solution are permeability-thickness product, 

k·H, and hydraulic diffusivity, η. 
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Chapter 3: Numerical simulation results of pressure 

build-up and fall-off at the injection well and distribution of 

CO2 saturation in the aquifer 

Pressure build-up and fall-off tests of an oil production well are widely used in 

petroleum engineering. By the initial injection or production test for a short period, 

or giving the well some perturbation in the flow rate, the pressure response is 

measured and matched with the mathematical models. And the matched model can 

help us to estimate the selected variables combined with the monitoring data. 

In the CO2 geological storage, the well test was also performed. For the saline 

aquifers, the well test will inject the formation water back to the formation after 

drilling a well and test the pressure response in the well bottom to analyze the 

hydraulic properties of the aquifer. For the CO2 storage case, the injection test by 

injecting CO2 is another issue which different from injection saline water into the 

saline aquifer, it is a two-phase flow issue. In this chapter, the pressure build-up and 

fall-off of injection well for the single period injection scheme are analyzed by 

injection CO2 into the saline aquifer, combined with the numerical simulation some 

variables were estimated.  

3.1 Numerical simulation results of CO2 saturation in the 

aquifer 

Figure 3-1 shows the simulation results of cross-sectional on r, z axis of CO2 

saturation and CO2 plume flux vectors at t=10, 50, 100, and 200 days after starting 

(stopping) CO2 injection. The CO2 plume expands mainly as a radial flow, because 

the horizontal permeability, k or hydraulic diffusivity, η was assumed to be 10 times 

larger than that of vertical. The buoyancy force on unit CO2 volume (roughly 4,000 

kN/CO2-m
3) inducing vertical CO2 convection flow, because of the density difference 

between injected supercritical CO2 (around 600 kg/m3) and saline water (about 1030 
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kg/m3) in the aquifer. So, the top layer of the aquifer shows the largest expanding CO2 

seepage flow velocity with the farthest CO2 plume front. The flow velocity vectors 

are shown by the red arrow in Figure 3-1. It is clear that the CO2 plume diffuses 

mainly in the radial direction during the CO2 injection period, while the convection 

in the vertical direction is much slower. After the injection well was shut-in, the 

driving pressure in the horizontal direction is gradually lost with fall-off pressure, 

then vertical buoyancy flow becomes noticeable.  

 

Figure 3-1. Cross-sectional on r, z axis of CO2 saturation and CO2 plume flux vectors at 

t=10, 50, 100, and 200 days for the base model 

At the end of CO2 injection, the CO2 saturation around the injection well is about 70 

to 80 %, and it decreases with the distance from the injection well, especially sharp 

decrease to 0% around the plume front. After the injection is stopped, the CO2 pattern 
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keeps expanding and the CO2 saturation next to the injection well is decreasing over 

time. In the case of ti=100 days, the CO2 saturation around the injection well 

decreases to about 50 to 60 % at t=200 days. 

We defined the CO2 plume front at the top layer rp at where the CO2 saturation is 

Sc=0.01. As shown in Figure 3-1, the plume front is observed as rp=84 m on the 100th 

day. Figure 3-2 shows the CO2 plume front position, rp before and after stopping CO2 

injection at t=ti=100 days. The CO2 plume front rp expands almost proportionally to 

t0.5 for 0<t<100 days, while after the injection well was shut-in for t>100 days, the 

CO2 front is slowly expanding with proportionally to 0.1t by buoyancy force on the 

CO2 plume. 

 

Figure 3-2. CO2 saturation front distribution over time 

3.2 Pressure build-up by injection CO2 

3.2.1 Pressure build-up at the injection well 

To study the pressure build-up at CO2 injection well, an injection scheme based on 

the base model (q=600 t-CO2/day and ti=100 day) with 100 days continuous injection 

was simulated with comparing the case of injecting saline water that is the initial 

reservoir fluid. The simulation results are shown in Figure 3-3. 
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In Figure 3-3, the simulation results were compared with the steady-state flow 

equation (Eq. 2-9) and transient flow equation (Eq. 2-10). Injecting saline water into 

the aquifer can be explained as the single-phase flow that the induced pressure build-

up is almost the same as the transient flow (r=0.1 m). The injection-induced pressure 

increases approximately logarithmically with injection time, the maximum pressure 

build-up is at the end of injection and finally, the reservoir flow turns to be the steady-

state flow.  

 

Figure 3-3. Pressure build-up by injecting CO2 and saline water vs. times for base 

model 

Different from injecting saline water into the aquifer, injecting CO2 is a two-phase 

flow issue. By injecting CO2 into the saline aquifer from an injection well, CO2 

saturation around the injection well is increased with replacing saline water. 

Therefore, viscosity μ of the aquifer fluid especially around the well is shifting from 

saline-water viscosity (μbrine≈6×10-7 kPa·s) to supercritical-CO2 viscosity 

(μCO2≈0.429×10-7 kPa·s) gradually with increasing CO2 saturation. The pressure 

transient effect was observed during CO2 injection, especially around the injection 

well in the early stage of CO2 geological storage. The BHP during CO2 injection rises 

instantly to 350 kPa within an hour after starting the injection, then the pressure is 
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dropping slowly with CO2 injection. Because CO2 saturation value is limited to less 

than the maximum CO2 saturation (≈0.35) based on relative permeability curves 

shown in Figure 2-4 when CO2 dissolution into saline water is neglected. Therefore, 

the pressure is dropping during the CO2 injection time (100 days) is limited to around 

50 kPa, even if the CO2 viscosity is less than 1/10 of the saline water viscosity. Thus, 

using the brine viscosity in Eq. 2-10 instead of gas viscosity shows a more realistic 

pressure build-up in the aquifer at the initial injection period. However, the pressure 

build-up estimated by the Eq. 2-10 using the saline water viscosity will show a little 

overestimate than using the CO2 viscosity. This difference also can be explained from 

the equation presented by Cinar et al. (Cinar et al., 2008; IEACHG, 2010). They 

modified the steady-state flow equation by introducing the relative permeability of 

CO2. However, introducing CO2 relative permeability is another complicated issue as 

CO2 relative permeability is changing with the CO2 saturation around the injection 

well, it is difficult to determine the real-time value of CO2 saturation and this will 

also add more uncertain variables. In this study, the brine viscosity will be used to 

estimate rough pressure build-up using Equation 2-10. 

In the present simulations, the radial flow consists of saline water and CO2 is 

calculated considering relative permeability curves to each fraction. Therefore, 

physical property changes in the blocks including multi-phase flow are simulated 

automatically in the present simulations using CMG-STARSTM.  

Numerical simulation results for the base model on the distributions of reservoir 

pressure change from initial aquifer pressure (p(r)-p0) compared with the CO2 

saturation (Sc(r)) at t=50 and 100 days are shown in Figure 3-4. 

It can be seen that pressure changes and CO2 saturation distributions are correlated in 

the region of CO2 saturation Sc>0.35, while only pressure changed by the convection 

of CO2 and saline water is observed in the region (r<84 m) with CO2. Assuming the 

position of the CO2 plume front defined by Sc=0.01, the pressure transmitting speed 

is much higher with two order times than that of the CO2 plume front, because the 
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pressure change is observed without CO2 saturation change. 

 

Figure 3-4. Numerical simulation results of pressure response vs. CO2 saturation at 

different distances from the injection well 

3.2.2 Effect of CO2 injection rate on pressure build-up 

Figure 3-5 shows the simulation results of pressure build-up, pi at the CO2 injection 

well for injection rate, qm comparing with the estimated line calculated using 

Equation 2-10 by assuming saline water viscosity discussed in the last section. The 

pressure build-up does not show a significant linear relationship with injection rate. 

As discussed in the above section, this can be explained by the changing CO2 

saturation around the injection well, since the relative permeability changed with CO2 

saturation. The simulation results show that the linearity between pi and qm is better 

and closer to estimated values by Equation 2-10 in a low injection rate qm<600 t-

CO2/day than that in a large injection rate qm>1,500 t-CO2/day because the higher 

injection rate results in a faster change of CO2 saturation around the injection well.  

We have confirmed that the estimated pressure build-up by using saline water 

viscosity can be corrected by using a viscosity of 65% of saline water one because 

the CO2 saturation around the injection well is close to 0.35. 
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Figure 3-5. Numerical simulation results of pressure build-up pi vs. CO2 mass injection 

rate qm 

3.2.3 Estimation of transmissivities of Moebetsu formation 

The CO2 testing injection into Moebetsu Formation was conducted between April 6th 

and May 24th, 2016 with 180 to 600 t-CO2/day in injection rate and 7,163 t-CO2 in 

cumulative amount. The recorded pressure build-up data are collected on the website 

and shown in Figure 3-6 (Japan CCS CO., 2016-2020) and the maximum pressure 

build-up of injection well (IW-2) was recorded around pi=450 kPa at the injection 

rate qm=600 t-CO2/day and total injection time ti=50 days. So, the simulation was run 

with the injection period ti=50 days, and the parameter setting was based on the base 

model (injection rate qm=600 t-CO2/day). The thickness of Moebetsu formation is 

around 100 to 200 m which is uncertain and is different from the base model set, 

simulations were run and the pressure build-up against different transmissivities of 

aquifers was summarized in Figure 3-7. And the field pressure data were compared 

with the simulation results to estimate the transmissivity of Moebetsu formation. 
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Figure 3-6. The monitoring data of testing CO2 injection into Moebetsu formation 

(April 6th and May 24th, 2016) 

According to the simulation results shown in Figure 3-7, the transmissivity of 

Moebetsu formation is about K=2.7×10-11 m3, and the permeability of the Moebetsu 

formation was calculated as k=1.35×10-11 to 2.7×10-11 m2 (135 to 270 md) which is 

different from our base model setting k=3.7×10-11 m2 (=370 md). The permeability of 

the aquifer is 370 md is overestimated by comparing the field pressure data and 

simulation results. Due to the short injection period, the fluid flow around the 

injection well is in an unsteady state. In Figure 3-7, the pressure build-up at the 

injection well after 1 day and 50 days vs aquifer transmissibility (Κ) were compared 

with those in the steady-state flow (Eq. 2-10). As in the early stage of injection, there 

is a transient effect of pressure build-up at the injection well, pressure build-up of 

injection well on the 1st day is larger than on the 50th day and this difference will be 

larger in a reservoir with high transmissivity. The pressure build-up of the injection 
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well on the 50th day is closer to the steady-state flow compared with that on the 1st 

day. An aquifer with higher transmissivity is getting closer to the calculated pressure 

build-up, pi of steady-state flow. 

 

Figure 3-7. Pressure build-up, pi (kPa) vs. aquifer transmissibility, k·H (m3) 

3.3 Pressure fall-off at the CO2 injection well after shut-in 

Opening or shut-in a well causes pressure changes in the CO2 injection well. In the 

CCS projects including fall-off data after shut-in has a possibility to study the aquifer 

state. When bottom hole pressure fall-off lines of BHP vs. time (Kazemi et al., 1972) 

are measured with enough precision after the well shut-in, the aquifer in-situ 

permeability and well skin factor can be estimated by analyzing the data. It is similar 

to the well testing method widely used in petroleum reservoir engineering. Without 

considering the skin factor the pressure fall-off function in the injection well is 

expressed by the radial transient flow equation (Eq. 2-11). For the pressure fall-off 

testing, the pressure p0 in Eq. 2-11 should be modified to the instantaneous bottom 

hole pressure when the injection well was shut-in. Because qμ/4πHk can be treated as 

a constant for a constant injection rate q, the hydraulic diffusivity η can be focused as 

the main parameter that controls the fall-off curve.  
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Different from the traditional method of analyzing pressure fall-off lines, the pressure 

fall-off time is defined in this study to analyze reservoir conditions and pressure 

transient. As shown in Fig. 3-8, t0.75 and t0.25 are defined the elapsed times to reach 

75% and 25% pressure reductions from the build-up pressure when the well was just 

shut-in. Then pressure fall-off time is defined as t0.75-t0.25 that shows the period the 

build-up pressure pi falls 50%.  

 

Figure 3-8. Definition of pressure fall-off time from pressure build-up 

In the case of CO2 injection in Moebetsu formation, Tomakomai CCS project, some 

pressure fall-off data were recorded after shut-in the well, and the fall-off time (t0.75-

t0.25) were analyzed as about 5 days based on the BHP data(Dietz, 1965; Escobar and 

Montealegre-M, 2008). The numerical simulation results on the fall-off time (t0.75-

t0.25) vs. hydraulic diffusivity η for the base model are shown in Fig. 3-9 that includes 

the results of different porosity (0.1, 0.2, and 0.3) and permeability k=1×10-13 to 

20×10-13 m2 (100 md-2,000 md). As the fall-off time was about 5 days for the 

Moebetsu formation (dotted line in Fig. 3-9), the hydraulic diffusivity range of 

Moebetsu formation can be estimated as η=2 to 4 m2/s from the simulation results 

between (t0.75-t0.25) and η. As the transmissivity of Moebetsu formation was matched 

as K=kH=2.7×10-11 m3 in the last section, and the thickness is between H=100 to 200 

m, porosity ϕ=0.2 to 0.4, therefore the matrix rock compressibility of the Moebetsu 

formation is estimated as Cr=0.14×10-9 to 1.11×10-9 Pa-1. This means that the rock 

compressibility set as Cr=0.9×10-9 Pa-1 is within the reasonable range compared with 
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the Moebetsu formation.  

 

Figure 3-9. Numerical simulation results on fall-off time (t0.75-t0.25) vs. hydraulic 

diffusivity η compared with the fall-off time of Moebetsu formation (5 days) 

3.4 Summary 

In this chapter, the pressure build-up and fall-off of a single injection scheme were 

studied after performing CO2 injection for a certain period (50 to 500 days). The 

numerical simulation results for pressure build-up and fall-off in the injection well 

conclusions are summarized below: 

1 The CO2 plume expansion radius of the top is rp=84 m at t=100 day. The CO2 

plume front rp expands almost proportionally to t1/2 before t<ti. After shut-in 

the injection well (t>ti), the front is slowly expanding proportionally to 0.1t 

due to the buoyancy force on the CO2 plume. In addition. The CO2 saturation 

around the injection well increases to about 0.35 with the elapsed time and 

reduces the effective fluid viscosity. 

2 The increase in pressure build-up was inversely proportional to k·H. 

However, the decrease in pressure build-up is about 5% compared to the case 

of saline water. It was the reason that the CO2 saturation in the aquifer is 
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limited by the irreducible water saturation of 0.65, and pressure build-up does 

not decrease significantly even if the CO2 viscosity is less than 1/10 of water. 

3 The transmissivity of Moebetsu formation is estimated as 2.7×10-11 m3 and 

the hydraulic diffusivity of the reservoir is 2-4 m2/s by the analysis of 

pressure build-up and fall-off. Assuming the permeability is k=1.35×10-11 to 

2.7×10-11 m2 (135 to 270 md) and the porosity is 0.2 to 0.4 of the Moebetsu 

Formation, the matrix rock compressibility of the Moebetsu formation is 

estimated as Cr=0.14×10-9 to 1.11×10-6 Pa-1. It was confirmed that the time 

required to reduce by half the pressure build-up decreases exponentially with 

increasing η. 
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Chapter 4: Numerical simulation results of pressure 

response at the observation well for single build-up and fall-

off 

The pressure response at observation well was studied. Both pressure build-up at the 

injection well and pressure response at the observation wells have almost linear 

relationships to the injection rate when the injection rate qm<600 t-CO2/day.  

The pressure ratio R=∆pmax/pi of pressure build-up at the injection well and the 

pressure response at the observation well was analyzed. It is not sensitive to the mass 

injection rate, qm. It is only proportional to injection period (ti), hydraulic diffusivity 

(η) and is inversely proportional to the square of radial distance from the well. 

4.1 Pressure response at observation wells 

CO2 injection will induce a pressure disturbance in the aquifer, and the pressure 

spread much faster than the CO2 plume. In general, an observation well is drilled far 

away from the CO2 injection well to monitor the pressure change induced by CO2 

injection at the well bottom. By comparing the recorded pressure build-up at the 

injection well and the response pressure at the observation well in the well bottom, 

the safety of storage can be estimated.  

As is shown in Figure 4-1, after the injection well is shut-in, the pressure wave will 

diffuse to the out word and a peak pressure Δpmax will be recorded with the distance 

r from the injection well. In this section, the pressure response at hypothetical 

observation wells located at a range of radial distance rm=1,000 m to 5,000 m from 

the injection well was discussed based on the simulation results. The simulation 

results were compared with the estimated values using Eq. 2-12 presented in chapter 

2. The maximum value of pressure response is defined as ∆pmax that is recorded at the 

observation well (r=rm) after 100 days continuous CO2 injection in each injection 

scheme. The analytical equation assuming transient radial flow using Eq. 4-1 as 
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expressed by: 

max 0( , )-m ip p r t p =     (4-1) 

 

Figure 4-1. The pressure diffusion after the injection well is shut-in 

Figure 4-2 shows the numerical simulation results of the pressure response at the 

observation well rm=1,000, 3,000, and 5,000 m against the CO2 mass injection rate 

qm=600 t-CO2/day for ti=100 days (base model). The response pressure at the 

observation well location increases gradually during the injection period and fall off 

with a delay time after the injection well was shut-in. The pressure build-up at 

observation well is different from that at the injection well. This is because the 

pressure build-up at the injection well (less than r=100 m) is influenced by both CO2 

and saline water flows, while the pressure response at the observation well far from 

the injection well is not influenced by the difference of CO2 and saline water viscosity. 

After the injection well is shut-in (t>ti), the observation well pressure draws a fall-off 

curve similar to the pressure fall-off of the injection well. The peak value of the 

response pressure, ∆pmax becomes smaller and broader, and the peak time after the 

injection well was shut in recorded at the observation well, ∆tmax increases with the 

increasing distance from the injection well, rm. For example, ∆pmax=25 kPa at 

rm=3,000 m becomes almost half of ∆pmax=57 kPa at rm=1000 m. The observation 

well at rm=1,000 m will response the peak pressure value in a day, while it will take 

about 15 days for the observation well at rm=1,000 m to reach the peak pressure value. 
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Figure 4-2. Typical simulation results of the pressure response at observation well 

located at rm=1,000, 3,000, and 5,000 m 

As is shown in Figure 4-3, different from the pressure build-up at the injection well, 

the simulation results of pressure response ∆pmax have a good linear relationship with 

the CO2 mass injection rate qm as the same as the numerical simulation results for 

injecting saline water.  

The analytical solution of Eq. 4-1 is smaller than the simulation results. These 

differences become larger with the increasing radial distance between the injection 

well and observation wells because the estimated value by the Eq. 4-1 can only be 

applicable for a rough estimation. In this simulation study, the injection period was 

assumed as ti=100 days, and the detectable peak pressure response at the observation 

well will also need several days after the injection well is shut-in. The time t for 

analytical solution Eq. 4-1 was assumed the same as the injection period ti. As has 

been discussed before, there was a time delay for the observation well response to the 

peak pressure, and the time delay becomes larger for the observation well with a 

larger distance from the injection well. So, the differences between the simulation 

results and Eq. 4-1 will become larger. 
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Figure 4-3. Numerical simulation results on pressure response of observation well vs. 

CO2 mass injection rate qm (t-CO2/day) 

4.2 The pressure ratio of the build-up pressure in injection well 

and the response pressure in the observation well 

To avoid the error in the absolute magnitude of the pressure response at the 

observation well, we introduced a ratio R between pressure build-up at the injection 

well pi and the maximum value of pressure response at the observation well ∆pmax as 

defined by Eq. 4-1. Both pressure build-up at the injection well and pressure response 

at the observation wells have almost linear relationships to the injection rate, qm<600 

t-CO2/day. This ratio is very useful to find pressure response at the observation wells 

based on the pressure build-up data at the injection well, because the ratio R=∆pmax/pi 

is not sensitive to the injection rate, qm. Besides, the term of qμw/4πHk in Eq. 2-10 

can be treated as constant for a constant mass injection rate qm. So, the value of R is 

only proportional to injection period (ti), hydraulic diffusivity (η) and is inversely 

proportional to the square of radial distance from well, while it is not so sensitive to 

the CO2 mass injection rate qm. The rough value of R can be estimated by the 

following equation and hydraulic diffusivity η defined by Eq. 4-2. 
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   (4-2) 

where Ct is equal to rock compressibility because fluid is assumed to be 

incompressible in the transient flow equation (Cf=0), re=10,000 m is the effective 

reservoir radius and rw=0.1 m is the radius of injection well. The Eq. 4-2 shows that 

R consists of a logarithmic function of time t, aquifer area up to the inner area of the 

observation well radius (πrm
2), and hydraulic diffusivity, η. Assuming the observation 

well will respond to the peak pressure value at the moment the injection well is shut-

in, and the time t in Eq. 4-2 is replacing with ti. 

The numerical simulations on R using CMG-STARS were done for the base model 

with the horizontal permeability range from k=2 to 8×10-13 m2 (=200 to 800 md), the 

observation well location rm=1,000 to 5,000 m and different injection periods ti=50 

to 300 days, porosity and compressibility of porous media are considered constant 

(ϕ=0.3 and Ct=1.4×10-6 1/kPa). The sensitive study of hydraulic diffusivity η was also 

carried out by setting the constant injection rate qm=600 t-CO2/day. The simulation 

results of R are shown in Figure 4-4 with comparing values calculated by Eq. 4-2. It 

can be seen that the pressure ratio R shows the almost logarithmic function of ηt/rm
2. 

However, there is a little difference between the values of R for different permeability, 

especially in ηt/rm
2>10. Because there is a time delay from the injection well is shut-

in to the observation well response the peak pressure value, the time t of the 

simulation results shown in Figure 4-4 were considered as t=ti+Δtmax. And Δtmax is 

defined as a time delay from the shut-in time at the injection well to the observation 

well reach the peak pressure. Thus, the pressure response at the observation well 

calculated by Eq. 4-2 shows underestimated compared with the numerical simulation, 

however, both of R vs. ηt/rm
2 looks similar relationship expressed by a logarithmic 

function. And it also can be seen that Eq. 4-2 is more suitable for a high permeability 

aquifer. As, it takes a shorter time for an aquifer with a larger permeability, and the 
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simulation results of R will be closer to the value calculated by Eq. 4-2. This 

logarithmic function can help us to make an evolution of the pressure at the 

observation well in different distance rm, at a different time according to the injection 

well pressure build-up of field data. In the study in chapter 3, the hydraulic diffusivity 

η was evaluated by the pressure fall-off lines after the shut-in. So, the observation 

well location can be designed with a proper distance and selecting a pressure 

transmitter with suitable pressure resolution for the pressure monitoring.  

 

Figure 4-4. Numerical simulation results of pressure ratio R for different permeability 

(q=600 t-CO2/day, ti=100 days, k=2 to 8×10-13 m2 (=200 to 800 md)) 

An empirical equation base on the simulation results in Figure 4-4 was summarized 

without considering the time delay Δtmax, and it is given by: 

max

2
= =(0.0425-0.06) ln 0.809i
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p t
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 + 

  
  (4-3) 

The pressure ratio at an observation will have a big variation at different permeability 

aquifer conditions. The equation 4-3 is summarised of the simulation results based 

on the Tomakomai CCS project and simulated with different permeability cases and 

it can also be used to estimate other CCS projects in the pressure ratio ηt/rm
2<10 that 
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has smaller deviation with different permeability reservoir. Besides, specific analysis 

about the pressure ratios against different variables can be done by simulation studies 

to make a relatively more accurate assessment for a planned CCS projects in the 

future. 

According to the simulation results of pressure build-up at the CO2 injection well and 

pressure response at the observation well, it is expected that the pressure ratio R 

increases with the increasing injection period because the pressure build-up at the 

injection well pi decreases with increasing the CO2 injection period ti, while the 

response pressure at the observation well ∆pmax becomes higher. Figure 4-5 shows the 

numerical simulation results of the pressure ratio R for different injection period ti=50 

days to 300 days. The higher response pressure can be monitored by increasing the 

injection period because R increases with ti. 

 

Figure 4-5. Effect of injection period, ti on pressure ratio, R 

The pressure ratios in different distances from the injection well for the base model 

are shown in Figure 4-6, compared with the pressure ratio in an aquifer with 

permeability k=10-13 m2 and 8×10-13 m2. The pressure fluctuates with the permeability 

of the aquifer. As is analyzed according to Figure 4-4, there is a little difference 

between the values of R for different permeability, especially in ηt/rm
2>10. Figure 4-
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6 is more intuitively reflecting the pressure ratio changing with the radial distance 

from the injection well. The pressure ratio, R shows a larger difference in permeability 

when the radial distance from the injection well is larger. However, as the upper limit 

of pressure response at the observation well is small, it is easy to estimate pressure 

for choosing an effective pressure sensor. In the case of the Tomakomai CCS project, 

the observation well OB-2 drilled at rm≈3,000m from the injection well to monitor 

the pressure change caused by CO2 injection. The present simulation result for 

qm=600 t-CO2/day and ti=100 days shows that R=0.09 at rm=3,000 m.  

 

Figure 4-6. Pressure ratio vs radial distance from injection well (ti=100 days) for the 

base model 

4.3 Delay time of the pressure response at the observation well 

Even if the injection well is shut-in and return to the initial pressure, the pressure 

transmitting in the aquifer continues moving to the outer ward with depleting its 

amplitude. Figure 4-7 shows the numerical simulation results of time delay ∆tmax in 

the aquifer with the horizontal permeability range from k=2 to 8×10-13 m2 (=200 to 

800 md) at the observation wells with different radial distances (rm=1,000 to 5,000 

m) from the injection well. As has been discussed above, fluid flow transmits fast in 
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a high permeability aquifer, the pressure transmitting speed is much higher with two 

order times than that of the CO2 plume. The time delay ∆tmax is proportional to the 

radial distance from the injection well and inversely proportional to the aquifer 

permeability. The time delay ∆tmax increases exponentially with increasing the radial 

distance rm. For example, the time delay for the observation well located in the radial 

distance rm=1,000 m responses to the peak pressure value in a day of shut-in injection 

well, while it takes about 37 days for the observation well located in the radial 

distance rm=5,000 m to response the peak pressure for a reservoir with permeability 

k=2×10-13 m2 (=200 md). 

 

Figure 4-7. Numerical simulation results of time delay ∆tmax of the pressure response 

peak to arrive at the observation well located at the radial distance rm (Base model, 

injection period ti=100 days) 

Figure 4-8 shows the numerical simulation results of time delay ∆tmax in the aquifer 

with the injection rate range from qm=200 to 800 t-CO2/day at the observation wells 

with radial distances rm=3,000 from the injection well. It is the same as the pressure 

ratio that the delay time is also not sensitive to the injection rate. The time delay ∆tmax 

at the observation well rm=3,000 m is the same in different injection rates.  
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Figure 4-8. Numerical simulation results of time delay ∆tmax of the pressure response 

peak to arrive at the observation well rm=3,000 m vs different injection rate (qm=200-

800 t-CO2/day) 

The pressure response at the observation well shows the peak pressure which is 

almost proportional to the pressure build-up at the injection well. On the other hand, 

the delay time, Δtmax as defined before was found as the peak value on the line of p(rm) 

vs. t by setting rm=1,000 m to 5,000 m and permeability k=2×10-13 m2 to 8×10-13 m2 

(=200 to 800 md).  

The simulation results of Δtmax vs. rm
2/η were summarized in Figure 4-9. It can be 

seen that the time delay Δtmax shows almost linearly proportional to rm
2/η that is 

reverse proportional to horizontal permeability, k. Those relationships can be 

summarized as the following equation: 
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aquifers.  

 

Figure 4-9. Time delay of observation well with rm=1,000 m to 5,000 m in different 

permeability reservoir 

It has been discussed in the above section, both the time delay Δtmax and the pressure 

fall-off time t0.75-t0.25 can be used as important parameters to evaluate the hydraulic 

diffusivity η of the aquifer. Figure 4-10 shows the numerical simulation results of the 

relationship between hydraulic diffusivity η and time ratio Δtmax/(t0.75-t0.25). Both time 

delay and fall-off time are inversely proportional to the hydraulic diffusivity, and the 

time ratio is also inversely proportional to hydraulic diffusivity. A rough magnitude 

of the time ratio in different hydraulic diffusivity aquifer was estimated. It is 

convenient to estimate the time delay of peak pressure using the time ratio when the 

fall-off time is measured. Because the fall-off time can help us to estimate the 

hydraulic diffusivity before an observation well is drilled. For example, in the case 

of rm=3,000 m, Δtmax is equal to (0.4-0.7)×(t0.75-t0.25) for η=2-4 m2/s corresponding to 

the range of Tomakomai CCS project. 

Besides, the estimating pressure ratio used in simulation studies can be revised by 

considering the time delay compared with the analytical equation. Therefore, the 

pressure ratio is proportional to the ηt/rm
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η(Δtmax+ti)/rm
2. It can help us make a more accurate prediction of the pressure 

response in the observation well and estimate whether there is CO2 leaking to the 

subsurface. 

 

Figure 4-10. Numerical simulation results on time ratio against hydraulic diffusivity η 

(m2/s) 

4.4 Summary 

This chapter summarizes the numerical simulation results of the pressure response in 

the observation well to the CO2 injection with a single set of PBU and PFO. In 

particular, the pressure ratio R (= maximum response pressure at the observation well 

/PBU at the injection well) was obtained against the parameters such as horizontal 

permeability kr, CO2 mass injection rate qm, and the location of the observation well, 

rm. The conclusions are summarized below: 

1 The value of R does not change significantly with qm, but it decreases inversely 

proportion to rm. For example, when rm= 3 km, the range of the pressure ratio 

is estimated to be R= 0.07 to 0.12. A new variable was defined as the pressure 

ratio of pressure build-up and the corresponding pressure response in the 

observation well and the analytical solution was made to estimate the pressure 

ratio without considering the time delay Δtmax: 
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max

2
= =(0.0425-0.06) ln 0.809i

m

p t
R

p r


 
 + 

    

2 The time delay ∆tmax, which is the time difference between the shut-in time and 

the time that the maximum pressure response is recorded at the observation 

well, is also inversely proportional to η and increases in proportion to rm
2. For 

instance, when the observation well distance is rm=3 km, it was estimated 

∆tmax= 2 to 10 days. 
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Chapter 5: Influence of injection period and pattern 

As the CCS project, the test CO2 injection pattern in the early stage of the project 

performed a series of injections with multiple pressure build-ups and fall-offs, 

because CO2 injection status was tested to check the pressure build-up against the 

injection rate in the early stage of CO2 injection. An injection scheme case to 

investigate pressure response by the multiple CO2 injections was assumed. The model 

includes six injection cycles with ti=100 days injection period and 30 days shut-in 

based on the Tomakomai CCS project.  

5.1 Effect of multiple-injection on CO2 saturation distribution  

As has been defined in Figure 2-8, the multiple-injection scheme includes 6 injection 

cycles. The CO2 saturation results of cross-sectional on r, z axis of CO2 saturation, at 

t=100 (End of injection cycle #1), 130, 230 (End of injection cycle # 2), and 260 days 

are shown in Figure 5-1. During the injection well was shut-in, the CO2 plume 

diffuses at a slower speed, before a new cycle the CO2 plume arrives at rp=90 m. After 

another injection cycle, the CO2 front moves to a new position from the injection well 

rp=130 m.  

Figure 5-2 shows the CO2 saturation distribution of multiple-injection compared with 

the single injection at ti=230 days (End of injection cycle # 2). Two injection periods 

have been performed for the multiple-injection scheme and the CO2 plume arrives at 

rp=130 m, while the CO2 arrives at rp=98 m for the single injection scheme. During 

the injection well is shut-in, the CO2 plume diffuses very slow and moves only 14 m 

for the single injection scheme. For the multiple-injection scheme, after 30 days shut-

in of injection well a new injection cycle speeds up the CO2 plume diffuses speed, 

however, the diffuse speed is smaller than the first injection cycle because the radius 

of the CO2 plume is larger with injection. 
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Figure 5-1. The CO2 saturation front for injection cycle #1(Base case) and cycle #2 

scheme vs. CO2 saturation at different distances from the injection well 
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Figure 5-2. The CO2 saturation pattern after two injections periods of multiple 

injections vs single injection 

5.2 Effect of multiple build-ups and fall-offs on pressure 

response at the observation well 

5.2.1 Effect of multiple injections on pressure build-ups and fall-offs 

at the injection well 

The pressure build-up of the multiple-injection scheme at the injection well is shown 

in Figure 5-3. In the first injection cycle (the same as the base case), the reservoir 

fluid was only brine water, a pressure transient effect was observed. From cycle #2, 

the pressure build-up at the beginning of injection becomes gentle because there is 

already CO2 in the vicinity of the injection well. The pressure build-up became 

smaller compared with the first injection cycle. The pressure build-up at the injection 

well shows a trend of slight dropping due to the changing CO2 saturation and fluid 

viscosity around the injection well as discussed in the case of single build-up and fall-

off case. So, the most dangerous period for the seal layer is at the beginning of CO2 
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injection that high pressure is build-up in the bottom of the injection well.  

After 30 days shut-in of the injection well, the pressure fell off to a smaller value, 

however, still larger than the initial pressure. From cycle #2, the pressure build-up 

both at the beginning and the end of a new injection cycle is smaller than the last 

injection cycle.  

 

Figure 5-3 Numerical simulation results of pressure build-up at injection well for 

multiple-injection 

5.2.2 Effect of multiple injections on pressure response  

The simulation results of pressure response at the observation well located 3,000 m 

away from the injection well are shown in Figure 5-4. The CO2 injection cycle #1 of 

the multiple-injection scheme is the same as the single injection case (base case) until 

the 2nd cycle starts. 

It can be seen that each injection causes a pressure response peak at the observation 

well and drawdown in the injection well is similar to the pressure fall-off in the case 

of the single build-up and fall-off. The pressure build-up in each injection cycle is 

decreasing, while the pressure response ∆pmax in each corresponding injection at the 

observation well is gradually increasing. The blue line shows the pressure ratio of 
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each injection cycle. It can be seen that the pressure ratio increases with the injection 

cycles and shows a tread to be a stable value. Because the reservoir tends to be a 

steady-state flow and the pressure value will be stable at the steady-state. 

The delay time ∆tmax does not show any difference between single and multiple 

injection scheme, this also shows the delay time reflects the hydraulic transmission 

capacity of the aquifer and it is inversely proportional to the hydraulic diffusivity. 

 

Figure 5-4. Pressure response and the pressure ratio of multiple injection scheme 

compared with single injection scheme in the observation well rm=3000 m 

Figure 5-5 shows the pressure response at the observation well of the distance 

rm=3,000 m and the pressure ratio at different injection rates. The peak pressure value 

at the observation well is gradually increasing with injecting CO2 into the reservoir, 

and the pressure turns to be a stable value which is similar to the pressure build-up at 

the single injection well. As the pressure build-up at the injection well turns to be a 

steady-state. The difference between the single injection and the multiple-injection 

becoming smaller. As is shown in Figure 5-4, the pressure build-up approximately to 

be 250 kPa and shows a smaller change with more injection cycles. On the other hand, 

the pressure response also reaches a relative peak value between different injection 

cycles. This result is shown in Figure 5-5 (a), pressure peak value in observation turns 
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to be a stable value. 

The pressure ratio also approaches a stable value. The same tread was detected in 

different injection rates. This research focused on a short period injection mostly for 

the test CO2 injection to design an observation well. For the normal injection 

operation, the pressure ratio should be analyzed by estimating the reservoir condition 

for the safety of the injected CO2. A stable pressure value will be more convenient to 

determine a reliable pressure ratio by the simulation results. 

 

Figure 5-5. Pressure response and pressure ratio R for rm=3000 m of multiple injections 

compared with the single injection (base case) vs. injection rate; qm (a) Pressure 

response (b) Pressure ratio R 

5.3 Design of radial distance of an observation well 

The observation well is drilled to observe the aquifer with CO2 storage. Temperature 

and pressure gauges are installed in the bottom hole of the well for continuous 

monitoring of the aquifer. They are used to detect the CO2 plume front development 

and verify that injected CO2 is not leaked into shallower strata (Hannis et al., 2015; 

Metz et al., 2005). Most of the observation wells are used to monitor grasp the CO2 

plume front position (Hosseini et al., 2018; Hu et al., 2015; Mathieson et al., 2011; 

Mathieson et al., 2010). Normally it is drilled smaller than few hundreds of meters. 
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If the distance from the observation well to the injection well is too short, it can be 

used to detect pressure propagation. However, for a commercial CCS project, the 

drilled observation well has a possibility of making a leakage channel for stored CO2. 

According to some in situ experience, the greatest risk of CO2 leakage for any 

geological storage project is associated with old wells and observation wells 

(Mathieson et al., 2010).  

In this section, an observation well that is planned to drill far from the injection well 

(>1000 m) is focused to discuss the distance from the injection well and the pressure 

sensor resolution.  

Table 5-1. Resolution required for pressure measurement at the observation well 

(rm=1000 m-5000 m pi=1 MPa)  

Radial  

distance 

rm (m) 

ti=50 days ti=100 days 

Pressure response 

Δpmax (kPa) 

Spec. 

resolution 

(kPa) 

Pressure response 

Δpmax (kPa) 

Spec. 

resolution 

(kPa) 

1000 144-156 5 190-200 5 

2000 73-100 5 116-145 5 

3000 41-70 1 76-112 1 

4000 25-51 1 52-88 1 

5000 18-38 1 36-70 1 

 

Table 5-1 shows the simulation results of the pressure at the observation well range 

with different radial distances from the injection wel. For example, in the case of the 

observation well distance is equal to rm=3 km, the minimum sensitivity of the 

pressure transmitter needs approximately 1 kPa order under the absolute pressure (or 

pressure resistance) of 10 to 11 MPa to obtain an accuracy of 2 digits. However, in 

the case of the minimum sensitivity is 10 kPa order, the well distance required should 

be lesser than 1 km. 

The pressure build-up of the Tomakomai CCS project is about 450 kPa, and the 
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observation well OB-2 is drilled with a distance rm=3,000 m from the injection well, 

according to the calculation, the maximum pressure value might be Δpmax=27 and 35 

kPa is expected after 50 days and 100 days injection respectively. The specific 

resolution of the pressure transmitter installed in the observation well at rm=3 km is 

required to be less than 1 kPa that is a tough specification under absolute pressure 10 

to 11 MPa to analyze aquifer permeability characteristics. However, the differential 

pressure transmitter installed at OB-2 extends a pressure range of 200 kPa to 30,000 

kPa which maybe not enough to detect the pressure response. A pressure transducer 

with a higher resolution needs to be installed. 

5.4 Summary 

In this chapter, an injection scheme of multiple CO2 injections was analyzed and the 

design recommendations for the observation well located (>1000 m) from the 

injection well was proposed, the conclusions are summarized below: 

1 The numerical simulation results of pressure ratio, R and the time delay, ∆tmax 

for multiple schemes (6 sets of CO2 injection with PBU and PFO), as shown in 

the initial stage of Tomakomai CCS, are compared with the single CO2 

injection scheme. It was revealed that R gradually increases with each 

repetition of multiple CO2 injections, but ∆tmax does not show any difference 

between single and multiple schemes. 

2 When the pressure response at the observation well is used to estimate the 

aquifer condition based on the numerical simulation results, it was shown that 

the observation well location and the minimum sensitivity of the pressure 

transmitter installed in the well are important design factors for the observation 

well function. For example, in the case of the observation well distance is equal 

to rm=3 km, the minimum sensitivity of the pressure transmitter needs 

approximately 1 kPa order under the absolute pressure (or pressure resistance) 

of 10 to 11 MPa to obtain an accuracy of 2 digits. However, in the case of the 
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minimum sensitivity is 10 kPa order, the well distance required should be lesser 

than, rm= 1 km.   
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Chapter 6: Conclusions and outlook 

6.1 Conclusions 

The observation well has an important function to check the numerical simulation 

parameters to investigate CO2 storage status in a deep saline aquifer, such as 

permeability, porosity, etc. affecting on pressure transient in the aquifer. In this 

numerical simulation study, pressure responses and their delay time at the observation 

well were investigated against a pressure build-up and fall-off at an injection well, 

because some injection tests are expected in an early stage of a CCS project to 

confirm CO2 injectivity and pressure transient in the aquifer. Therefore, it is important 

to decide the location of the observation well and select a pressure transmitter with a 

reasonable resolution to measure the pressure response transmitted from the injector. 

Some sensitive study on the pressure response were also conducted The base model 

of the aquifer with 1000 m in depth, horizontal permeability k=370 md, porosity 

ϕ=30%, and open boundary at 10 km in radius was used for numerical simulations in 

considering the Tomakomai CCS project (Tomakomai CCS demonstration project). 

Results can be summarized as follows: 

1 The pressure build-up pi is proportional to the CO2 injection rate q and reservoir 

fluid viscosity μ. During injecting CO2, reservoir fluid viscosity μ is changing 

from water viscosity to CO2 viscosity with the accumulate of injected CO2. The 

BHP of injection well increases to a maximum value and drops instantly in a 

few hours from the beginning of injection. Then the BHP gradually tends to be 

flat and keeps a slight dropping rate. Steady-state flow equation can be used 

for a rough estimation of pressure build-up of injection well pi for non-steady 

CO2 pressure-time curve. 

2 The CO2 plume expansion radius of the top is rp=84 m at t=100 day. The CO2 

plume front rp expands almost proportionally to t1/2 before t<ti. After shut-in 

the injection well (t>ti), the front is slowly expanding proportionally to 0.1t due 
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to the buoyancy force on the CO2 plume. In addition. The CO2 saturation 

around the injection well increases to about 0.35 with the elapsed time and 

reduces the effective fluid viscosity. 

3 The increase in pressure build-up was inversely proportional to k·H. However, 

the decrease in pressure build-up is about 5% compared to the case of salt 

water. It was the reason that the CO2 saturation in the aquifer is limited by the 

irreducible water saturation of 0.65, and pressure build-up does not decrease 

significantly even if the CO2 viscosity is less than 1/10 of water. 

4 Compared with the field data of the Tomakomai CCS project, the pressure 

build-up and fall-off at the injection well were analyzed. The transmissivity of 

the Moebetsu Formation was estimated as 2.7×10-11 m3 and the hydraulic 

diffusivity of the formstion is 2-4 m2/s. So, assuming the permeability is 

k=1.35×10-11 to 2.7×10-11 m2 (135 to 270 md) and the porosity is 0.2 to 0.4 of 

the Moebetsu Formation, the matrix rock compressibility of the Moebetsu 

Formation is estimated as Cr=0.14×10-9 to 1.11×10-6 Pa-1. It was confirmed that 

the time required to reduce by half the pressure build-up decreases 

exponentially with increasing hydraulic diffusivity η. 

5 The value of R does not change significantly with qm, but it decreases in inverse 

proportion to rm. For example, when rm=3 km, the range of the pressure ratio 

is estimated to be R=0.07 to 0.12. A new variable was defined as the pressure 

ratio of pressure build-up and the corresponding pressure response in the 

observation well and the analytical solution was made to estimate the pressure 

ratio without considering the time delay Δtmax: 

max

2
= =(0.0425-0.06) ln 0.809i

m

p t
R

p r


 
 + 

    

6 The time delay ∆tmax, which is the time difference between the shut-in time and 

the time that the maximum pressure response is recorded at the observation 

well, is also inversely proportional to η and increases in proportion to rm
2. For 
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instance, when the well distance is rm=3 km, it was estimated ∆tmax=2 to 10 

days. 

7 The numerical simulation results of pressure ratio, R and the time delay, ∆tmax 

for multiple-injection scheme (6 sets of CO2 injection with PBU and PFO), as 

shown in the initial stage of Tomakomai CCS project, are compared with the 

single CO2 injection scheme. It was revealed that R gradually increases with 

each repetition of multiple CO2 injections, but ∆tmax does not show any 

difference between single and multiple schemes. 

8 When the pressure response at the observation well is used to estimate the 

aquifer condition based on the numerical simulation results, it was shown that 

the observation well location and the minimum sensitivity of the pressure 

transmitter installed are important design factors for the observation well 

function. For example, in the case of the observation well distance is equal to 

rm=3 km, the minimum sensitivity of the pressure transmitter needs 

approximately 1 kPa order under the absolute pressure (or pressure resistance) 

of 10 to 11 MPa to obtain an accuracy of 2 digits. However, in the case in the 

event in which the minimum sensitivity is 10 kPa order, the well distance 

required should be lesser than, rm=1 km. 

6.2 Outlook of future researches  

1 This simulation study was carried by assuming a homogeneous aquifer, and the 

field data was limited. Some accurate geological model settings based on the 

field geological surveys need to be done. And a log of CO2 injection operation 

needs to be considered to estimate the observation well pressure. 

2 The influence of heterogeneity on pressure evolution needs further researches. 

3 The estimation equation of pressure build-up is used by the steady-state 

equation. A more precise and widely used equation used the CO2 viscosity need 

to be studied. 
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4 This simulation is assuming a constant pressure boundary condition. A 

bounded reservoir needs to be discussed for comparison.  
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